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Summary

The proposed research work has been developed focusing on three modern techniques
for the quantitative characterization of porous materials and visualization of two-
phase immiscible flow through their pore space: pore-scale numerical simulation,
X-ray radiography and X-ray tomography. First of all, it is wise addressing the
motivations sustaining the present research. To this end, let us recall the qualitative
definition of two key parameters which, more than others, affect the dynamics of
two-phase flow in porous media: relative permeability and capillary pressure.

Relative permeability, k, henceforth, relates the flow rate of a phase in a multi-
phase system through a porous medium to the applied pressure gradient. In other
words, the relative permeability is related to the effectiveness of the applied pressure
gradient in squeezing a single phase through a porous material, interested by a multi-
phase flow. It depends on several factors, such as the nature of the porous medium
(porosity, tortuosity, specific surface area, etc...), its wettability properties, the
pore-scale Reynolds number, the saturation of the voids by the considered phase,
the intrinsic phase-averaged velocity of the phase, i.e. the actual velocity of the phase
throughout the void “channels”. In addition, k, is characterized by a hysteretical
behaviour, i.e., its value depends on the history of the flow through the pore space.

Capillary pressure, P. hereafter, is defined as the pressure jump occurring across
a fluid-fluid interface within a multi-phase mixture. It depends on the same local
quantities as k, and it is also affected by hysteresis.

Well, why are k, and P. so important in the ensuing discussion? Actually,
they are two key quantities entering the mass- and momentum-balance equations of
multiphase flow through porous media: thus, one cannot “model” a multiphase flow
through a porous medium without at least a rough knowledge of k. and P.. And, in
turn, why should one care so much about modeling such flows? The straight answer
to this question is: there is a branch of practical applications involving such flows,
as oil/brine or gas/brine flow through oil and gas reservoirs during primary (i.e., not
“assisted”) or secondary (i.e., “assisted” or “forced”) recovery, hydrogen/water flow
through the membranes of fuel cells, vapor/liquid flow through the porous layers
within heat pipes and many others. This should be enough to motivate the interest
towards measurement techniques capable of providing reasonably accurate values of
k. and P.. In this respect, the opacity of most porous media of practical relevance
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(e.g. reservoir rocks, metal foams, etc...), introduces an additional complication
that prevents the use of any direct or indirect measurement method relying on optical
access. Indeed, until few years ago, curves relating k. and P. to the average phase
saturation were obtained by time-demanding experimental techniques measuring
the pressure drop throughout a cylindrical rock plug of porous medium, interested
by a known flow rate of a fluid phase. These indirect measurement methods yield
mean values of k., and P, throughout the sample and relate them to the average
phase saturation within the sample. While this limitation is somehow acceptable
for the wetting fluid phase in a binary mixture, as it tends to form a continuous
fluid network throughout the entire porous domain, “global” measurements on the
non-wetting phase are often misleading, as this phase tends to break-up into isolated
fluid parcels and only those parcels connected to the terminal sections of the sample
“interact” with the measurement system.

So far, I have been trying to convince that a reasonably accurate estimate of rel-
ative permeability and capillary pressure has relevant practical consequences. Let’s
now address the different measurement approaches investigated in this thesis: post-
processing of either radiographic and tomographic images and micro-scale numerical
simulations.

X-ray tomography is a quick and non-destructive technique widely employed in
geosciences, which allows to characterize the internal structure of an object. The
porous medium being inspected intercepts and attenuates the X-ray beam. Tomo-
graphic reconstruction tools allows exploiting the intensities of the emerging X-rays
and decomposing the object into a very large number of very small (e.g. few pm per
edge) cubic blocks, named “voxels” labelled either void or material. Thus X-ray to-
mography returns also indirect information about the material occupying each voxel.
The 3D array of voxels making up the porous space is suitable for pore space mor-
phological measurements. It must be converted into a computational mesh, before
being usable for numerical simulation. There exist different approaches to accom-
plish this task. In the present work, each voxel is associated to a computational
cell. This choice yields a rough, step-wise representation of the pore/grain interface
(i.e. the porous matrix bounding surface) but guarantees very high mesh quality,
with positive consequences on the convergence rate in the numerical solution of the
governing equations. The computational mesh resulting from the sequence of X-ray
tomography and mesh generation processes is referred to as digital model.

Pore-scale numerical simulation is a relatively modern approach to study the
mechanical, electrical, hydraulic and thermal properties of porous media (Krish-
nan et al., 2006; Bai and Chung, 2011; Mostaghimi et al., 2012). The fundamental
governing equations are solved within the fluid occupying the void spaces . The ac-
curate geometric information required to implement this method comes from X-ray
tomography, which provides a “block-wise” representation of the porous medium.
Two-phase flow numerical simulations have been performed on the digital models

XII



of reservoir rock samples. Procedures for estimating k, and P. thereof have been
proposed and tested. Based on the gained experience, I may state that the pore-
scale numerical measurement of k, and P, can be attempted for porous systems
characterized by an evident homogeneity, so that a numerical simulation interest-
ing a limited number of pores may be representative of the whole porous system.
Duo-film metal foams are an example thereof. Nevertheless, porous systems such as
reservoir rocks are characterized by strong inhomogeneity, from pore-scale to macro-
scopic scale (e.g. high permeability fractures in reservoir formations). Thus, a very
large representative volume or, alternatively, a very large number of relatively-small
samples, should be tomographed and simulated. Limitations of present tomographic
systems and computational resources prevent either of these possibilities, in the near
future.

Tomographic experiments have been carried out at the Delft University of Tech-
nology. A state of the art commercial tomographic system devoted to multiphase
experiments has been made available for high resolution visualization of the fluids
inside rock samples. With fluids at rest the local curvature of the interface could
be measured with a code developed in-house and, in turn, a direct estimate of P.
could be derived via Young-Laplace relationship. Also X-ray radiographic (in con-
trast to tomographic) experiments have been performed. These allowed to track the
movement of the fluid interface as one fluid is injected and displaces the occupying
one. Fluid saturation versus time profiles could be recorded and used to constrain
a “history-match” procedure for the calculation of hydraulic properties of the rock.

Moreover, the effect of wettability on the sample filling (temporal evolution of
the sample saturation) has been investigated by the implementation of a dynamic
contact angle model which takes into account a variability of the contact angle
between two immiscible fluids at the solid wall, according to a widely accepted
wetting theory. The model has been previously tested on a simple geometry, where
a water capillary filling has been mimicked.

The most noteworthy results of this research work have been published in a
number of scientific articles (see List of publications).
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Chapter 1

Porous media and multiphase
flows

1.1 Introduction

Porous media include a wide range of materials, from natural media (sands, soils,
sandstones, carbonates, granites and others) to industrial materials (filters, ceramics,
metal foams). They are employed everywhere in nature, science and technology. In
particular, scientists, geologists and engineers dealing with production of oil and
gas or movement of water and contaminants through the ground have great interest
in studying geological materials, measure or estimate their properties, comprehend
the essential mechanisms governing multiphase fluid flows and study the mutual
interactions between fluids and rock.

1.2 Properties of a porous medium

A porous medium is defined as a portion of space that is occupied partly by a solid
phase (solid matriz) and partly by voids (pore space). Because of its random and
heterogeneous nature, the characterization of a porous sample is a thorny affair
which requires an appropriate definition of representativeness. Bear (1972) suggests
to define a Representative Elementary Volume (REV), that is the minimum volume
U, for which the measured property does not depend to the sample volume. In-
dicating with S, the surface area of U,, it must intersect both the void space and
the solid matrix with corresponding area of intersection equally distributed over S,,.
Let’s consider a volume AU; containing a sufficient number of pores and grain and
its centroid P. Porosity ¢;, applied to the volume AUj, is defined as follows:

AU orous )i
¢i:7( AT >; (1.1)

1



1 — Porous media and multiphase flows

where AUporous 1s the pore volume associated to AU;. The relation (1.1) demon-
strates how porosity depends on the choice of AU;: as we change the volume AUj,
the corresponding value of ¢; may vary significantly, as shown in Figure 1.1. A
limit value, denoted with AU,, points out the transition from microscopical inho-
mogeneity domain to macroscopic domain (porous media domain). Above this value
porosity is almost constant and possible deviations are due exclusively to medium
heterogeneity.

The definition of REV is the first step to pass from the microscopic or molecular
level of description to a macroscopic level, which lays on the assumption that a fluid
phase is a continuous medium that completely fills the space and “at every point and
at every instant of time, kinematic and thermodynamic variables can be assigned,
which are continuous and differentiable functions of the spatial coordinates and of
time” (Bear, 1984). The macroscopic level of handling flows in porous medium im-
plies that it is necessary to associate with each point of the space average quantities,
since punctual, fluctuating values are meaningless for practical purposes. Averag-
ing, over AU,, permits to remove the effect of microscopic heterogeneity without
ignoring the macroscopic features of the medium. A modern interpretation of REV
relies on the availability of a sufficient number of samples, in order to define repre-
sentative statistical moments (Kanit et al., 2003). Evidently, different REVs should
be defined for each of the physical properties of the medium (porosity, grain size,
etc...).

Domain of ¢« | — Domain of

microscopic | porous
~ effects : medium
|
1 I
|
- |
= ! Inhomogeneous
g : medium
.% ! T
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Figure 1.1: Definition of REV for porosity. Adapted from Bear (1972).

In general total porosity ¢ is defined as the fraction of bulk volume occupied by
pores. A part of the total porosity, named effective porosity or kinematic porosity,
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1.2 — Properties of a porous medium

is made up of interconnected, open-to-flow pores, whereas the remaining are uncon-
nected or blind pores. From the fluid-dynamic point of view, unconnected pores can
be equated with the solid matrix. Hence porosity can be expressed as follows:

Vp
6= 1r

T

where Vp is the total pore volume and V7 is the total volume of the sample (bulk
volume). According to this definition, porosity of porous media could range from

0 to 1, but most sedimentary rocks (main constituents of hydrocarbon reservoirs)
have porosities less than 50%.

(1.2)

The nature of reservoir rocks not only determines the amount of fluids that can
be trapped within the pore space, but also quantifies the ability of a fluid to flow
through the channel networks that constitute the pore system. The measure of the
aptitude of a rock to transmit a fluid is called permeability.

For a medium sample completely saturated by a single fluid phase, we talk of
absolute permeability. The absolute permeability (coefficient) & is defined by
the well-known Darcy’s law:

—_Aral (1.3)

where 7 [Pa - s] is the fluid dynamic viscosity, A [m?] is the cross-sectional area of

the sample, AP/AL is the pressure gradient and @ is the volumetric flow rate.

The (1.3) is a semi-empirical law and neglects gravitational effects. Assuming a
constant pressure drop, it determines a direct proportionality between the absolute
permeability k& and the flow rate @): higher is k, higher is ) and the capacity for
flow. The unit of measurement of k is Darcy, where 1 Darcy = 0.987 x 10~% cm?.
The Darcy’s law is valid when problems of fluids saturating the pore space of porous
materials are handled at the macroscale and the hypothesis of continuum is the basic
assumption.

The absolute permeability is an own property of a porous medium and includes
in itself a large number of physical and hydraulic characterisctics. The exclusive
dependance of permeability on porosity may be criticized. In fact, even though
a formation is usually considered homogeneous and isotropic, there is no specific
trendline between permeability and porosity values and the correlation is purely
qualitative. High porosity stones (pumice stones) can have zero permeability. Indeed
the absolute permeability should be more accurately expressed as a function of
porosity, pore size, grain size (see Figure 1.2), specific surface area, irreducible and
residual fluid saturations.

Many models have been proposed in literature, which aim to predict this hy-
draulic property. According to Hagen-Poiselle’s theory, the porous medium can be
described with a tube-bundle model and the absolute permeability can be estimated
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1 — Porous media and multiphase flows
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Figure 1.2: Influence of grain size in the relationship between permeability and
porosity. Adapted from Chilingarian (1927).

by means of the widely used Kozeny-Carman (Kozeny, 1927; Carman, 1937) rela-
tion. It correlates porosity to permeability in a simplistic model, since the permeable
medium is represented with a uniform cross-section and does not provide alternative
pathways for fluid flow. The development of the Kozeny-Carman relation outlined
by Lake and Panda (1994) leads to Eq. (1.4):

' (2752 ) 1 if .

v,gr
where 7 and a, 4 indicate respectively the so-called tortuosity (ratio of the mean

effective flow path length through a porous medium to the thicness of the medium)
and the specific surface area (total area exposed to flow within the pore space per
unit of grain volume), respectively. Thus, k increases strongly with ¢ and decreases
weakly with 7, because the low "power" reduces its effect. The range of uncertainty
in ¢ is moderate, 7 cannot be measured directly. Unlike porosity, 7 depends mainly
on pore space geometry and has values greater than 1.

Other relations provide more complicated permeable medium models (Dullien,
1992) that include correction factors for pore non-uniformities and relate perme-
ability to various free parameters, such as shape factor and local roughness. The
limitation of these models is that they require independent determination of the
above mentioned parameters, whose estimation is generally empirical.
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1.3 — Fluid-fluid interaction

1.3 Fluid-fluid interaction

Fluids in porous rocks permeate the cahotic and complex topology of the pore space.
Type and nature of fluids and solid grains getting in contact with them determine
both rock-fluid mutual interactions and the evolution of the ongoing displacement.
Frequently more than one phase (gaseous or liquid phase) can flow simultaneously
and fill the pore space.

In a reservoir oil, water and gas generally coexist in an immiscible state. However,
as a common practise, chemicals can be injected into the reservoir to make water
more miscible with oil. This technique has the effect to increase the overall mixture
solubility, which is the main peculiarity of Enhanced Oil Recovery (EOR) methods.
We talk about chemical (or micellar) flooding. This type of flood is characterized
by a chemical slug, generally a mixture of water, surfactant, a cosurfactant and
salt (i.e. sodium chloride) that is able to solubilize the trapped oil it encounters,
displacing more oil than conventional methods for oil recovery. Therefore fluid
flows in porous media can be distinguished into two broad categories: miscible and
immiscible displacements. The physics of each of these displacements is significantly
different, as in these processes system wettability and fluid-fluid interfacial tension,
which will be addressed in the following section, play an important role.

Miscible displacements tipify floodings with no capillarity and nearly zero inter-
facial tension. When two fluids get in contact, a transition zone of hydrodynamic
dispersion between them is immediately created.

Immiscible displacements involve fluids with no-zero interfacial tension and cap-
illarity represents a driving force.

Our research focuses mainly on oil and water. Since oil and aqueous phases are
generally considered immiscible, here we deal only with immiscible displacements.
In other words, we ignore phenomena of dissolution of one phase into another one.
Moreover we neglect related phenomena of adsorption-desorption and possible chem-
ical interactions between the minerals constituting the rock matrix and the fluids
filling the pore system (i.e. surface charges) or processes of rock alteration by circu-
lating fluids (erosion, deposition, cementation), which unavoidably change physical
and electrical properties of both rock and fluids and whereof study demands a de-
tailed knowledge of physics and chemistry at nano-scale.

As previously asserted, the absolute permeability is an intrinsic property of the
permeable medium and does not suffice to describe the dynamics of multiphase flow
systems. To this end, other properties such as wettability, interfacial tension,
relative permeability and capillary pressure must be introduced.

1.3.1 Wettability and interfacial tension

Immiscible fluids occupying simultaneously the void space of porous media compete
for the occupancy of the pore-grain interface. The configuration of the well-defined
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1 — Porous media and multiphase flows

interface that separates the immiscible fluids is pinpointed by the relative wettability
of the solid surface to the fluids. In other words, wettability is the parameter used
to describe the relative adhesion of two immiscible phases to a solid surface and the
preferential tendency of one of them to wet the surface. This phase is identified as
the wetting phase, while the other is the non-wetting phase.

The molecules within each fluid attract each other with the same force in all
directions, whereas molecules at the interface undergo an inward-directed force that
tends to minimize the surface into a spherical surface. This phase boundary force
is called interfacial tension or surface tension o [N/m]. From a thermodynamic
perspective, it is defined as the energy required to increase the area of the phase

interface A by one unit:
oG >
o= |+ (1.5)
<8A T,P

where G is the Gibbs free energy.

Interfacial tension (also IFT) together with the contact angle characterizes the
wettability properties of a solid surface. Indeed the fluid-fluid interface intersects the
solid surface at an angle 8, which is defined for an oil-water system by the Young’s
equation (1.6):

Oos — Ows

cos() = (1.6)

O-O’UJ
where:
0,5 = interfacial tension between solid and oil;
ows = interfacial tension between solid and water;
o, = Interfacial tension between water and oil.

The difference between solid-oil and solid-water interfacial tensions takes the
name of adhesion tension or wall adhesion and determines the wetting characteristics
of the solid surface, either of partial or total wetting. Three wettability conditions
may occur for partial wetting, depending on the values of wall adhesion and contact
angle (measured in the aqueous phase), as follows:

1. Water-wet: the contact angle § < 90° and the wall adhesion is positive.
2. Intermediate wet: the contact angle § = 90° and the wall adhesion is zero.

3. Oil-wet: the contact angle 8 > 90° and the wall adhesion is negative.

At a pore level, wettability may vary from strongly water-wet to strongly oil-
wet, through intermediate wet and different wettability conditions may be observed
within the same reservoir rock. As an example, sandstones are strongly water-wet
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Figure 1.3: Relationship between interfacial tensions and contact angle, expressed
by the Young’s equation and different interface configurations for partial wetting.

before oil migrates from the source rock to the reservoir but a permanent wettabil-
ity alteration may take place when oil enters the pores and some compounds (i.e.
asphalthenes) are adsorbed by the solid surface, leading to mixed wettability condi-
tions (Salathiel, 1973). The plausible interface configurations for a partially wetted
system are sketched in Figure 1.3.

In general, in hydrocarbon-bearing formations, the wettability of reservoir rocks
depends on both rock characteristics (hydrocarbons constituents and minerals of the
solid surface) and fluid properties. Most sandstones, clastic sedimentary rocks whose
dominant mineral is quartz, are water-wet. Indeed, silica are water-wet as well as
calcite, but the rock behaviour is different in presence of different hydrocarbons.
[sooctane is usually the non-wetting phase, nevertheless some crude oils getting
in contact with a surface could change its wettability from water-wet to oil-wet
(Willhite, 1986). In a water-wet water-oil-rock system, water tends to occupy the
smaller pore bodies and covers the major portion of the pore-grain interface of the
bigger pores. In the presence of preferentially oil-wet rocks saturated with water,
oil will enter into the smaller pores displacing water from the external layers of
larger pores. Definitely, a porous medium saturated with the non-wetting phase
spontaneously imbibes the wetting phase.

Wettability is a fundamental property in fluid transport within porous rocks and
its determination is extremely important in improving oil recovery techniques, by the
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1 — Porous media and multiphase flows

use of appropriate fluids. Moreover, wettability affects many other petro-physical
properties, such as relative permeability and capillary pressure and has influence on
the overall immiscible displacement evolution, the fluid distributions and the final
saturations.

1.3.2 Immiscible displacements

Immiscible fluid flows can be subdivided into two categories, based on how fluid
properties evolve during the process. We talk about steady-state and unsteady-state
flows. The former occurs when all the macroscopic properties in all points of the
system are time independent. Steady-state flows are driven by a constant pressure
gradient and the fluid saturations are constant. At a point of the porous medium,
changes in pressure and fluid velocity cause instantaneous changes in pressure or
flow rate in any part of the system. No "displacement” takes place in the pore
space, as each fluid follows its own path without interfering with flow of the other
fluids. The latter occurs when the fluid properties change with respect to time and
the fluid saturations vary with time at a given point. In nature, the majority of
processes fall into this type of flow.

Within the unsteady-state category, we can distinguish two kinds of displacement
depending on the wettability properties of the rock-fluid system:

« DRAINAGE: the porous sample is initially saturated with the wetting phase
(e.g. water) and the injected fluid, the non-wetting one (e.g. oil), progressively
fills the pore space displacing the water phase.

o« IMBIBITION: the pore space is initially filled by the non-wetting phase
and the injected wetting phase imbibes the sample, pushing the non-wetting
one out of the void space. Basically, imbibition is the process where capillary
forces act to make the wetting-phase spontaneously advance throughout the
rock sample.

1.3.3 Saturation history and relative permeability

A fluid injected into a porous medium may saturate partially or totally the pore
space. Saturation quantifies the space filled by a single phase and is defined as the
ratio between the pore volume occupied by that phase and the total pore volume.
In an oil-water displacement, we denote with S, the water saturation and with S,
the oil saturation.

As mentioned before, in a strongly water-wet rock the pore-grain interface is
covered with water. In that case oil will be mainly located in the centre of the
pores. When a water-filled water-wet rock is oil-flooded during a laboratory test and

8



1.3 — Fluid-fluid interaction

a full drainage is carried out, the sample is brought to irreducible water saturation
Swi ' and water is restricted to thin layers covering the pore walls. Theoretically,
keeping on flooding albeit at infinitely long displacement time, it is possible to
remove even the smallest amount of pellicular water, so that S, ; = 0 for a perfect
water-wet system. The irreducible water saturation of reservoir rocks, whose degree
of water-wetness is moderate, is quite low (about 10% of the pore space). After
the subsequent water-flooding (imbibition) performed to produce oil, a significant
amount of oil remains trapped in the form of floating and disconnected blobs. The
residual oil saturation S,, corresponds to the unmovable oil within the pores. For
a water-wet reservoir rock S, , is around 30%.

The absolute permeability describes the propensity of a porous medium to be
traversed by a single fluid. When two competing immiscible fluids share the pore
space, a relative permeability for each fluid can be defined. It quantifies how one
fluid is hindered by the other and is the result of several factors: nature of the rock
(porosity, tortuosity, specific surface area, etc...), relative wetting characteristics
of rock and fluids (through the contact angle 6), saturation of the pores by the
considered phase and saturation history, flow conditions ( i.e. the actual velocity of
the phase throughout the interconnected “channels” of the pore space).

The relative permeability k, can be expressed as the ratio between the effective
permeability of a rock partially filled with a fluid and the absolute permeability of
the completely saturated rock. Considering a sample whose pore space is completely
saturated with the two fluids (S, + S, = 1), the relationships between relative
permeabilities for water (k) and oil (k,,) and the corresponding saturations are:

kw(Sw)
kpw = ——- 1.7
o) (L7)
by = Tol50) (18)
ko So=1

The Darcy’s law is extended for two-phase flows and the expressions for an oil-
water system are independently expressed as follows:

Ak k. AP,
= — ’ 1.
Akk., AP,
.= — T,0 o 11
Q AL (1.10)

LConnate water saturation Sw,c indicates the lower water saturation found in situ.
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1 — Porous media and multiphase flows

where ), and @), are the flow rates and the products k k,,, and k k,., the effective
permeabilities to water and oil.
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Figure 1.4: Typical relative permeability curves for wetting w and non-wetting nw
phases, as a function of the wetting phase saturation. Effect of hysteresis during
imbibition and drainage cycles. Adapted from Bear (1972).

Typical saturation-dependent relative permeability curves are shown in Figure
1.4, where the pedices ,,, and ,, denote non-wetting and wetting phases, in a generic
two-phase system. The end-point relative permeabilities are the k, at the saturation
endpoints, Sy, and Sy, Which define the remaining saturations of water and oil
after extensive displacement has occured. As for relative permeability, the end-
point saturation of each phase, for a specific displacement process, depends on the
previous saturation history of that phase, the pore geometry, the wettabilities with
respect to the competing phases. End-point saturation values could also depend on
interfacial tension, when o is very low and the rate of displacement, when it is very
high. In Figure 1.4, for each phase two curves are drawn, one pertains to imbibition
(towards increasing saturations in wetting phase), the other to drainage (towards
decreasing saturations in wetting phase). This different behaviour of k,, depending
on the direction of saturation change, takes the name of hysteresis.

Values of k, generally range from 0 to 1 over the entire saturation field, since
permeability at S = 100% is greater than effective permeability at lower degree
of saturation. However, sporadic cases of endpoint k. > 1 have been observed
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1.3 — Fluid-fluid interaction

and reported in literature (Geffen et al., 1951; Odeh, 1959; Dullien, 1992; McPhee,
1994; Honarpour et al., 2000) and most of them (1.4 < k, < 2.4) occur when the
predominant phase is the non-wetting phase and the wetting one covers the rock
surface in thin films: in water-wet water-oil systems k, ,(S,;) > 1, while in oil-
wet water-oil systems k., (S,,) > 1. Geffen et al. (1951) experimentally observed
an oil reative permeability over unity at irreducible water saturation and linked
this singular behaviour to the dehydration of clay particles as the water content
diminishes. Among several models proposed to explain this phenomenon, Berg et al.
(2008) suggested a slip condition of the fluid-fluid interface: the non-wetting phase
at the centre of the pore channels slips over the immobile layer of wetting phase,
increasing the k, beyond unity at immobile wetting fluid saturation.

1.3.4 Capillary pressure

Capillary pressure refers to the difference in pressure across the interface between
two immiscible fluids in contact one with each other. The curvature of the interface
describes the preferential property of one fluid to wet the solid surface (see Section
1.3.1). The pressure in the non-wetting phase is greater than the pressure in the
wetting phase and consequently the curved interface is convex with respect to the
non-wetting fluid and concave with respect to the wetting fluid. Therefore, the
capillary pressure P, can be mathematically expressed as follows:

P.= Py, — P, (1.11)

where P,, and P, are, respectively, the pressure of the non-wetting phase and the
wetting phase. When the fluids wet, to the same extent, the solid surface (the
contact angle between them is 90°), the pressure within each fluid is the same and
the capillary pressure is zero. The standard definition of macroscopic P. is derived
directly from Eq. (1.11), upscaling the pressure difference between wetting and non-
wetting phases over a REV:

P=<P,,>—-<P,> (1.12)

where < P,,,, > is the pressure of the non-wetting phase over the portion of the REV
occupied by the non-wetting phase and < P, > is the pressure of the wetting phase
over the portion of the REV containing the wetting phase (Bear, 1972; Scheidegger,
1974).

At equilibrium, the pressure difference between two adjacent immiscible fluids
can be also related to the principal radii of curvature, R; and Ry, of the interface and
the interfacial tension o between the fluids, through the well-known Young-Laplace

equation: .
1
AP = — 4+ — 1.13
U(R{*RJ (1.13)
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1 — Porous media and multiphase flows

In a porous medium, Eq. (1.13) is the simplified expression of a microscopic
capillary pressure. The extreme complexity of the pore system cannot be described
analytically: since pore geometries or sizes can differ a lot from one pore to another,
so will be the capillary pressure. Pores are often sketched out as capillary tubes.
To determine the pore size, pore radii are assumed to be equivalent to the radius
of the largest ball that can be inscribed within the pore. In this case the capillary
pressure can be written as follows:

P - 20cos(0) (1.14)
r

where r is the radius of the inscribed ball.

According to Eq. (1.14), a particular P, value is associated with a specific set
of pores having the same radius r. Let us consider a water-wet reservoir rock filled
with water. If the rock sample undergoes drainage by injecting oil, a pressure equal
to capillary pressure must be applied to eject water out of the pores. At lower P,
oil will displace water out of bigger pores, at higher P. water will be forced out of
smaller pores. In this sense, for a drainage process, P. can be defined as the pressure
which must be overcome to force the non-wetting fluid to displace the wetting fluid
in a capillary. Therefore the capillary pressure can be related to the wetting phase
saturation within the capillary.

Figure 1.5 shows a typical P. curve as a function of water saturation S, for a
water-wet water-oil system. It is common use to plot two curves, one for drainage
and one for imbibition. The imbibition curve presents lower capillary pressure values
than the drainage curve, for a fixed saturation, because of the natural tendency of
the wetting fluid to saturate the rock. The hysteretical behaviour is the one observed
for relative permeability. Note that for the drainage curve, at S,, = 1, a P, greater
than zero is required to force the oil phase to enter the void space. This pressure is
named entry pressure or threshold capillary pressure P.;. In a primary drainage, oil
does not invade a pore unless its pressure exceeds P, ;, which can be approximately
correlated to the pressure differential across the local oil-water interface inside the
pore.

Several models have been proposed for capillary pressure, mostly relying on the
thermodynamic theory applied to porous media. Hazzanizadeh and Gray (1993)
stated that P. can be expressed as function of the wetting phase saturation and
specific area of the fluid-fluid interface per unit volume. Alpak et al. (1999) suggested
that P. can be related to solid areas that oil and water share in a porous material.
The extent of these areas varies with grain size, rock local wettability of the rock
and micro-scale effects.

Therefore P, is not only function of factors such as interfacial tension o, contact
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angle 0, and pore size (through the curvature radius), but it also depends on satu-
ration, saturation history and micro-scale heterogeneities (e.g. local roughness) of
the pore/grain system.
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Figure 1.5: Typical capillary pressure curves as a function of the wetting phase
saturation. Effect of hysteresis during primary drainage and secondary imbibition.
Adapted from Morrow et al. (1973).

1.4 Estimation of &k, and F.

Practically relative permeability and capillary pressure are derived by means of
SCAL tests performed on cylindrical samples extracted from the reservoir rock. All
laboratory tests can be classifiable into two methods:

» Steady-state methods: the two fluids are simultaneously injected into the
core at constant flow-rates and pre-determined ratios. The saturations are
measured directly via mass-balance and Darcy’s law is employed.

» Unsteady-state methods: a single fluid is injected within the core, displac-
ing the other fluid which initially fills the pores. The procedure is more rapid,
but results may suffer of uncertainties ascribable to preliminary assumptions.
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1.4.1 Steady-state methods

Steady-state methods are routinely used for relative permeability measurements.
The sample is placed within a core holder and inlet and outlet sections are connected
to pressure transducers. The pressure drop is measured. Metering pumps are used
to inject the fluids and adjust the flow rates. In a water-oil displacement, water and
oil are pumped-in at fixed volumetric ratio and the effluent rates are monitored until
they are equal to the influent rates. At this point, it is assumed that a constant
saturation is attained throughout the core and the steady-state condition is reached.
The sample is weighted and the saturation is estimated, once total core mass My,
dry core mass Mp, pore volume Vp and densities of the fluids p,, and p, are known,
as stated by the following relation:

Mgy —Mp—Vp-p,

S P 9

The relative permeabilities k,,, = f(S,) and k., = f(S,) are derived from
Eq. (1.9) and Eq. (1.10). The procedure is repeated, changing @),, and @Q,, in order
to get sufficient data to draw the entire relative permeability curve for each phase.
The method is time-expensive, as a long time (sometimes several weeks) is required
to reach the steady-state condition.

1.4.2 Unsteady-state methods

Unsteady-state methods, as they are named in the jargon of petro-physics (Akin,
2001; Toth et al., 2002), adopt a procedure where a single invading fluid displaces
the defending fluid that initially saturates the pore space. Fluid production and
pressure drop across the sample are continuously monitored and recorded (Loomis
and Crowell, 1962). The acquired measurements require further processing to derive
directly the relative permeability curves over a range of fluid saturations. Data
processing for unsteady-state methods is much more complicated than for steady-
state methods, as pressure gradient and fluid saturations vary with position and time
throughout the sample. Indeed, the major difference in unsteady state techniques is
that saturation equilibrium is not achieved during the test, reason why Darcy’s law
is not applicable.

The Buckley-Leverett theory (Buckley and Leverett, 1942) for incompressible
and immiscible fluid displacement is the basis for all calculations. The Buckley-
Leverett equation (1.16) represents the change in saturation through a one-dimen-
sional porous medium and relates partial derivatives of phase saturation in space
and time with fluid viscosities, volumetric flow rates and relative permeabilities. For
a water-oil displacement:
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9S, . .08, CQ df

5 —-U(fﬂu)jégj u(Sw) = 5AdS, (1.16)

where Q) = Q,, + @, is the total flow rate, f, is the water fractional flow rate.
The fractional flow rate f; is the ratio between the flow rate of the i — th phase
@; and the total flow rate (). When capillary pressure gradients and gravitational
effects can be neglected, f, = f(S,) and only depends on relative permeabilities

and viscosities, as follows:

1

fo=—7—1— (1.17)
" kro Yuw

krw fYO

The Johnson-Bossler-Naumann (JBN) method (Johnson et al., 1959) is derived
from Buckley-Leverett theory and is the most used for calculating relative perme-
abilites from unsteady-state displacement tests. JBN solution does not fully comply
with practical experiments, as it neglects capillary and gravitational forces and as-
sumes high flow rates in order to avoid capillary end effects (extremely high wetting
phase saturation at the outlet section of the core). In addition it assumes that
the core sample is homogeneous. The method provides relative permeability val-
ues for saturations higher than the breakthrough? saturation. Alternatively to JBN
method that requires constant injection rate, Toth et al. (2002) have proposed a
procedure that is more general for it may be applied also to constant pressure-drop
experiments.

Capillary pressure is sometimes determined in conjunction with relative perme-
ability measurements, even though a common practice is to measure P, using dis-
tinct procedures. Methods for measuring capillary pressure may be grouped under
three main classes: mercury methods, porous-plate methods and centrifuge meth-
ods. They differ in the measurement techniques and experimental setups. Generally
the invading fluid is injected at increasing pressures (mercury method and porous-
plate method) or increasing spin rates of a centrifuge (centrifuge methods) and the
fluid production recorded. Fluid saturation data are easily retrieved and capillary
pressure curves derived. A detailed review of these methods is given by Christiansen
(2008).

An alternative approach to analytical solutions that allows to derive relative
permeability and capillary pressure curves from a single experiment is the history
matching technique. Experimental results are compared to those obtained with

2Breakthrough denotes the first appearance of the injected fluid at the outlet section of the
sample.
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1 — Porous media and multiphase flows

numerical one-dimensional simulations carried out in samples with identical cha-
racteristics in terms of dimension, porosity and absolute permeability. Basically, a
prescribed cost function is minimized to match the experimental data with those
predicted by a two-phase core flow simulator designed to simulate SCAL experi-
ments (Loeve et al., 2011). This data processing technique is very sensitive to the
boundary conditions chosen for the history match and does not assure the unique-
ness of the solution (Tavassoli et al., 2005). Several models can be adopted for
history matching, each differs from the others essentially for the optimization and
parametrization technique.
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Chapter 2

Experimental methods and
analysis techniques

Two-phase displacement processes in porous and permeable rocks are important
in a number of petroleum engineering applications. Macroscopic properties (e.g.
relative permeability and capillary pressure) of the reservoir rock can be measured
either by laboratory experiments on large diameter cores (core-flooding) or by pore
scale studies. Standard protocols for the characterization of the hydraulic properties
of reservoir rocks prescribe to use brine (solution of water and salt) and oil as
representatives of fluids present in real situations (Christiansen, 2008).

In the past, a popular approach used to predict absolute and relative permeabi-
lity consisted in modeling the porous media as networks of pores and throats and
to solve the associated hydraulic network (Bakke and Oren, 1997). However the
advent of affordable high resolution X-ray computed tomography (X-CT) systems
and the development of image analysis tools allow to access the full morphology of
the pore-space with micrometric resolution.

In most cases the fluid motion is too fast and the changing morphology of the
advancing front is difficult to be caught by means of micro CT machines, even
though new solutions have been developed for CO;/brine systems (Andrew et al.,
2014b; Roels et al., 2014). Conversely, synchrotron-based X-ray systems are able
to time resolve dynamic phenomena (Herring et al., 2014; Berg et al., 2014), due
to their high photon flux and fast radiographic image acquisition, but remain an
infrastructure of difficult access for this kind of experiments. When micrometric
resolution is not required, GANTRY -based medical scanners can be used. Due
to their higher frame rate, medical scanners are suitable to follow slowly evolving
core-flooding phenomena (Vinegar and Wellington, 1987; Zhang et al., 2014).

Neutron transmission radiography (NTR) is another alternative to X-ray radiog-
raphy. Since X-rays and neutrons interact differently with matter, the two radiation
modalities are complementary. X-rays fail transmission through large core samples
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but offer very high resolution on small samples. The neutrons are capable to im-
age light elements (i.e. with low atomic numbers) such as hydrogen, water, carbon
etc. and are little attenuated by the bearing minerals. The neutrons interact with
the nucleus rather than with the electron shell. Thus, in principle, neutrons are
well suited for the specific application we dealt with in this work (water-CO5 and
water-oil displacements) but their production at the petro-physical laboratory site
remains a major limitation. Indeed, neutron imaging beamlines are traditionally
installed at reactor facilities sites (Murison et al., 2015; Perfect et al., 2014). Recent
advances in detecting systems allow high resolution. Voxel size of 11.8 um were
reported by Murison et al. (2015).

In the context of radiographic imaging applied to the visualization of the move-
ment of fluids in rocks, magnetic resonance imaging (MRI) has been also em-
ployed (Chen et al., 2002). However MR techniques are more costly than a simple
X-ray source/detector pair and subject to significant limitations in spatial resolu-
tion (Mitchell et al., 2013) and by the presence of iron (e.g. often consisting of small
pyrite inclusions) in the solid matrix (Hall et al., 1997).

Among the imagining techniques, the X-CT is the most easily accessible, with
good penetrating capability, highest spatial resolution and thus it is the most suited
for the morphological characterization of porous media samples with micrometric
pore sizes.

In this chapter the usefulness of a combined integration of coreflooding, X-CT
and image analysis will be demonstrated. Specifically, the present study takes ad-
vantage of some underestimated capabilities of X-ray tomography systems in pro-
viding direct informations about the object being inspected through the acquired
local attenuation maps. The main steps of this work are the following:

(i) Water-CO, and oil-brine displacements are performed in laboratory and con-
tinuously observed and recorded by means of fast X-ray radiographic projec-
tions.

(ii) The recorded images are processed and the fluid saturation profiles are derived.

(iii) Profiles describing the time evolution of the water and oil saturation within
the core are used for an automatic history-match procedure that tunes the
parameters of a relative permeability and capillary pressure model.

(iv) The volume reconstructed by processing the set of radiographic projections of
the dry core sample is investigated for quantitative morphological measure-
ments (porosity, pore size distribution).
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2.1 X-ray radiography

2.1.1 Introduction

X-ray radiography is a non-destructive tool employed in investigation of non-trasparent
materials, such as porous rocks. It provides planar images that map the variation
of X-ray attenuation within an object.

The radiographic principle is conceptually simple: X-rays traverse a cross sec-
tion of the sample along straight lines, the intensity of the attenuated X-ray signal
emerging is converted by a scintillator into light and recorded as a digital image.
The X-ray attenuation obeys the Beer-Lambert law (2.1) that states that there is
a logarithmic dependence between the transmission of a ray through an object and
the distance it travels:

In (?) = [n(.B)a (2.1)

where p is the local linear attenuation coefficient of the material in cm™?, Iy is the
intensity of the incident impinging X-ray beam, I; is the intensity emerging from
the object (i.e. the expected detector intensity at the i — th pixel of the recorded
radiographic image) and L is the material thickness, namely the distance travelled.
The un-attenuated incident intensity I, is read on the so called flat-field that is
the radiography taken without sample before starting an acquisition. Hereafter the
pixel index will be neglected, for brevity.

The logarithm of the intensity ratio is also referred to as projection. It contains
an integral (through the length travelled in the material) information about the
attenuation properties encountered by the ray. This datum should be de-convoluted
to extract informations about the local internal morphology of the inspected object.

The linear attenuation coefficient i of a material is a function of the photon
energy F and, more specifically, can be expressed as follows:

738
w=p <a+bE§2> (2.2)

where p is the bulk density of the material, Z, the effective atomic number of the
material, a and b energy-dependent coefficients.

Today the micrometric resolution, that is normally obtained at the tomographic
beam-lines of synchrotron facilities, is achievable with micro- and nano-CT labo-
ratory tomographic machines based on open-type cone-beam tubes. These tubes
can focus the X-ray beam to less than 1 micron spot size and allow the production
of a Bremsstrahlung (i.e. polychromatic and incoherent) X-ray beam, suitable for
micrometric spatial resolution tomography in a millimetric sized sample.

A typical X-ray tomography station is made up of three main hardware com-
ponents: a X-ray polychromatic source, a planar digital detector (either CCD- or
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CMOS- arrays or flat panels are used to capture intensity data after X-ray to visible
light conversion on a scintillator) and a high-precision rotating stage.

2.1.2 X-ray radiographic set-up

The experimental setup employed in the specific application has been constructed
in the Petroleum Engineering laboratory at the Delft University of Technology. A
benchtop X-ray C'T scanner is used to inspect a still sample undergoing continuous
flooding. The experimental procedure will be detailily described in Section 2.1.4.

CO, cylinder

Data
aquisition

Brine line

Figure 2.1: Schematic drawing of the experimental setup.

The schematic drawing of the radiographic system is sketched in Figure 2.1. It
includes a high precision Harvard Apparatus Phd-Ultra® positive-displacement type
pump, suitable for feeding the sample at an injection rate ranging from 0.0001 ul/hr
to 220 ml/min. The hydraulic system is endowed with thin and flexible tubes of
diameter 1.587 mm.

In order to minimize the adverse effects of core repositioning during the tests,
the pumping apparatus is entirely assembled inside the X-ray shielded CT cabinet.
A picture of the CT cabinet, whereof the laboratory is equipped, is shown in Figure
2.2. The external flow lines are arranged to prevent them to get into the field of
view of the detector during image acquisition.

The specimen is radiographed with the nanofocus cone-beam CT from Phoenix
|X-ray® (nanotom). The minimum achievable focal spot size (500 nm) of the open-
type X-ray source allows for high resolution tomographic images. The X-ray detector
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is a large area Hamamatsu 16 bit flat panel sensor (C7942SK-25) with 2304 x 2304
pixels (120 x 120 mm), pixel size 50 um. It can operate in a 2 X 2 or 4 x 4 binning
mode thus lowering resolution but allowing faster image readout. The open-type
nanofocus X-ray source uses a tungsten target and is operated at 70 kVp and 170
1A, furnishing a power of 11.9 W. The nominal radiographic resolution is 7 um.

Figure 2.2: CT cabinet from Phoenix |X-ray® (nanotom).

2.1.3 Radiography of fluid flow in rocks

Recently, X-ray radiography technique has been applied to visualize porosity and
equilibrium fluid distribution in limestone rocks (Cadoret et al., 1995), to track fluid
flow in packed beds (Gupta et al., 1997), to map the concentration of a tracer during
a diffusion test (Tidwell et al., 2000) and to measure the change in water content dur-
ing a moisture process in homogeneous and heterogeneous fractured materials (Roels
and Carmeliet, 2006).

Here X-ray radiography is used to sample the moving phase interface in a se-
quence of brine-CO4 and oil-brine displacements performed on a Bentheimer sand-
stone plug. Radiographic images of the static dry core are taken and averaged.
Temporal sequences of radiographies are acquired for the sample undergoing pri-
mary imbibition (brine-saturation) and subsequently primary drainage. A method
is proposed to compute two dimensional instantaneous saturation distributions from
the radiographic sequence.

When the displacement through the rock plug is pressure-driven, the sample
must be coated by glue to prevent leakages and inserted in a core-holder for a firm
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and accurate positioning. The rock plug is coated with 2 thin layers of glue, obtained
mixing resin (RENCAST CW 2215) and hardener (REN HY 5160); the first layer
is very thin, in order to accelerate the glue drying and avoiding resin penetration
into the pores and possible occlusions. The core-holder, designed and devised in the
Petroleum Engineering laboratory at the Delft University of Technology, is made by
Peek (polyether ether ketone).

For the specific application, Eq. (2.1) is written as:

1

where the sub-scripts of the average linear attenuation coefficients identify the seal-
ing material of the core Holder and the glue, the pore Voids, the Rock and the fluids
(Brine and Oil) occupying the pore spaces.

The attenuation due to the core holder and the glue is known; thus the recorded
intensity is corrected by the multiplicative term exp(ugly). The attenuation of the
void pore space is negligible.

The measured projection of a dry plug is:

1
10g (] 0 ) = ,uRlR (24)
DRY

where [y is the total thickness of the rock. The noise on Ipry is mitigated by frame
averaging.

For a dry plug undergoing imbibition that is radiographed still in the same
position previously used for imaging the dry rock, the following system of equations

can be written:
I
pro 0 e\ _ [ los Tonr (2.5)
IR HB Ip log (72

It

thus: ,
DRY
1y — i) (2.6)
“B

The local saturation in the imbibition displacement is Sp = lg/ly, where [ is the
computed brine length, [y is the local thickness of the pore space. The distribution
of Iy, can be measured from the radiography of a fully-saturated sample, for which
SB =1 and ZB = lv.

Subsequently the brine saturated rock undergoes a drainage process where oil is
injected to displace the brine. The local accumulated thickness of brine, (g, can be
derived from

I
log (=) = jualn = il + pio (b — 1) (2.7)
0O&B
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The oil saturation is So = (1 — Sp) = lp/ly. Repeating this process at each
pixel position allows computing the saturation profile.

Assuming an axisymmetric sample and an axisymmetric distribution of fluids
(i.e. no asymmetry due to, e.g. fluid fingering), a single projection carries the entire
information of the sinogram that can be adopted to reconstruct a two dimensional
(axial symmetric) slice via filtered back projection (FBP) (Baruchel et al., 2000).
This assumption is not applicable to the present configuration, since the rock plug
is inherently heterogeneous and fluid saturations are unevenly distributed.

The average linear attenuation coefficients of all the materials involved in the
experiments have been measured individually with the CT scanner, at the same X-
ray tube energy value as the one set for the radiographic experiments. In addition
the materials have been tomographed with a Siemens medical scanner available in
the Department of Geoscience and Engineering at the Delft University of Technology
and the attenuation measured.

Table 2.1: Average attenuation properties of the scanned materials.

Attenuation Attenuation

Material cooff. cooff. Density
[om 1] [HU] [kg/m?|
Air/CO, 0 -1000 1.225
Plexi 0.221 154 1180.3
Peek 0.238 241 1320.1
Oil 0.146 -240 773.5
Brine 1% KI ~ 0.229 194 1005.6
Brine 3% KI ~ 0.292 522 1020.3
Brine 4% KI ~ 0.318 657 1027.8
Brine 5% KI ~ 0.347 809 1034.5
Brine 10% KI 0.439 1288 1075.7
Rock 0.532 1771 2655

The attenuation values at 70 kVp and the densities of all the materials are sum-
marized in Table 2.1. As reported by Kak and Slanley (1998), the linear attenuation
coefficient values typically recorded by commercial (medical) CT systems are inte-
gers ranging from -1000 to 3000. This range refers to an international standard scale
called the Hounsfield Scale, with a Hounsfield Unit HU defined as:

(1 — )
Moy

HU = x 1000 (2.8)
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where 1, is the attenuation coefficient of water. The value of HU = 0 corresponds
to water and HU = -1000 is assumed to correspond to air (assuming fiq;, = 0).

Brine used in the experiments is a solution of water doped with potassium iodide
(KI). Different salt concentrations have been tested and the corresponding brines
tomographed. In Figure 2.3 a grey-scale radiography acquired with the medical
scanner shows the average linear attenuation map of some of the materials used in
the tests. Light greys correspond to high-attenuating materials, dark greys to low-
attenuating materials. It appears evident how attenuation properties of 10 wt% KI
doped brine can be compared to those of the rock sample, thus unsuitable to ensure
enough phase contrast in the recorded images.

brine 10% KI

Figure 2.3: Map of average linear attenuation coefficients for some of the materials
reported in Table 2.1.

2.1.4 Experimental procedure

Experiments are carried out following the protocol dictated for unsteady-state dis-
placements in rock plugs and commonly adopted in petroleum engineering laborato-
ries. All tests are performed on a cylindrical Bentheimer sandstone plug, SAMPLE
1 henceforth, (D = 9.45 mm, L = 30.71 mm), extracted from a bigger block. The
analyzed sample is shown in Figure 2.4. The specific sandstone has been studied by
Roels et al. (2014) and its physical and electrical transport properties are reported
by Peksa et al. (2015). A complete mineralogical characterization of the rock, deter-
mined from X-ray diffraction (XRD) and X-ray fluorescence (XRF) measurements,
is reported by van Hemert et al. (2013) and reveals that quartz, orthoclase and

24



2.1 — X-ray radiography

kaolinite are the main constituents of the rock. The average porosity derived from
image analysis of radiographic acquisitions is ¢ & 0.23 (see Section 2.2.1 for details).
The experimental absolute permeability k is about 3.2 Darcy.

Figure 2.4: Glue-coated Bentheimer sandstone sample (SAMPLE 1).

The experimental procedure consists in the following steps:

1. CO, is injected for at least 30 minutes to displace all the air trapped in the
piping system and in the rock plug.

2. Brine is injected into the sample from the bottom section to the top section, for
50 PV until total saturation is achieved. The initial injection flow rate is 0.2
ml/min and produces an interstitial velocity of 0.02 cm/s. The corresponding
pore Reynolds number Re, for imbibition is 1.5 x 107*. During imbibition,
a "back pressure” of 25 bar is mantained for almost 25 minutes, this ensures
that even the smallest amount of CO, dissolves in brine solution. Further
experimental tests performed on plugs of the same rock demonstrate that a
complete brine saturation can be attained as long as injection flow rate is low
and injected volume is at least 50 PV.

3. At Sp =1 the rock sample is brine-flooded at stair-wise increasing and decreas-
ing flow rates and the absolute permeability k is estimated with a standard
permeability test (Figure 2.5).

4. QOil is injected downward, from the top section to the bottom section, in order
to guarantee gravity stable displacement until the pressure drop across the
sample is constant. The injection flow rate is 0.2 ml/min. The corresponding
pore Reynolds number Re, for drainage is 4.2 x 107°.
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Operative absolute pressure and pressure drop are continuously measured using
range-selective pressure transducers. Brine adopted for brine/CO, displacement
(imbibition) is a solution of water doped with 4 wt% of KI. This concentration
allows the best image contrast between the fluids and fluids and sandstone. The
dynamic viscosity vz at 20°C' is 1.203 x1073 Pa - s. The representative oil adopted
for oil/brine (drainage) displacement is hexadecane (CisHss) 99% in purity. The
dynamic viscosity vy at 20°C' is 3.205 x 1072 Pa - s. The pore Reynolds number,
based on the square root of the measured absolute permeability (Re, = vp Vk/vy),
is chosen in order to investigate the validity of Darcy flow regime, where vp is the
Darcy’s velocity, vy = ~¢/py is the kinematic viscosity of the injected fluid.
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Figure 2.5: (a) Permeability test at Sp = 1: recorded pressure drop dP during brine
injection. (b) Estimation of k: relation between injection flow rate @) and recorded
pressure drop dP.

26



2.2 — Results

2.2 Results

2.2.1 Porosity distribution

The two-dimensional porosity distribution, figure 2.6(a), is calculated as ly /(lgr+1v),
where [z and [y are obtained, respectively, from the radiography of the dry and
brine-saturated core sample. A mean value of ¢ ~ 0.23 is computed, in remarkable
agreeement with measurements reported elsewhere, i.e., ¢ = 0.2467 (van Hemert
et al., 2013) and ¢ = 0.24 (Roels et al., 2014). The porosity variation along the axis
of the sample is reported in Figure 2.6(b): in principle, this information can be used
to account for material non-homogeneity in the history-match process. Nordtvedt
et al. (1999) demonstrate the significant effect of violating the homogeneity assump-
tion on the determination of the relative permeabilities and residual oil saturation
via a history-match approach. The porosity profile in Figure 2.6(b) is a row-averaged
porosity, any local inhomogeneity and geometric distorsion due to the x-ray traversed
path length are smoothed.

1
~o5
8
0 I
0 0.1 0.2 0.3 0.4
0 01 02 03 s

(a) (b)

Figure 2.6: (a) Local, two-dimensional porosity distribution ¢ = Iy /(Ig + ly) (see
Eq. (2.6) with Sp = 1) obtained from the dry sample radiography. (b) Porosity
profile along the sample’s axis.
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2.2.2 Primary imbibition

A sequence of radiographic images is acquired during primary imbibition. The
rising brine interface is barely recognizable in radiographic modality and unsuitable
for image segmentation. On the contrary, in the associated brine saturation images
obtained resorting to Eq. (2.5) and Eq. (2.6), the upward-advancing brine interface
can be clearly seen as shown in Figure 2.7(a,c,e).

The corresponding saturation profiles are also visualized in Figure 2.7(b,d,f).
The row-averaged saturation values are plotted versus the non-dimensional length
of the core. L, is the portion of the core length in the field of view of the detector.

The mobility ratio M = 7,,,/7Va., is 81.8, the capillary number Ca = (7,,,:,,) /0
is 1.5 x 1079, where the subscripts inv and def stand for invading and defending
fluid, respectively.

According to Lenormand’s observations (Lenormand et al., 1988) the displace-
ment occurs in transition regime. A plug flow-like front can be observed at the
interface between invading and defending fluids (brine/CO,), due to the high mobil-
ity of the brine phase. The pattern presents a nearly flat front and some irregularities
could be observed at the scale of a few pores.

2.2.3 Primary drainage

Once it is completely saturated with brine, the sample is drained by injecting oil
from the top section to the bottom section and a new set of radiographic images
is taken during the displacement. The oil saturation values are calculated from
Eq. (2.7). A sequence of three oil saturation images is reported in Figure 2.8(a,c,e)
and the corresponding oil saturation profiles are reported in Figure 2.8(b,d.f). The
mobility ratio M is 2.66, while the capillary number Ca is 3.98 x 1075, According
to Lenormand, the displacement occurs in transition regime close to capillary fin-
gering. Indeed the interface appears more irregular and indented, if compared to
the advancing front during imbibition.

Time elapsed between two subsequent radiographic aquisitions At = 23 s, average
porosity ¢ and sectional area A of the sample are used to validate the saturation
profiles. At recording times t; (Figure 2.8(a)) and ¢, (Figure 2.8(c)) the oil front has
not yet reached the outlet section of the tomographed region. Thus, the amount of
oil injected in the time interval At = t5 — t; must be equal to the oil accumulated
within that region in At:

Ly
Von™ = Vo™ = Qo - At = A¢ /0 (562 - 58) da (2.9)

The oil flow rate QQp imposed at the metering pump matches that computed by
the time sequence of saturation profiles S and Sg.

28



2.2 — Results
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Figure 2.7: Brine saturation calculated from the radiographic images during brine in-

jection (a,c,e) and corresponding brine saturation profiles (b,d,f) at different record-
ing times.
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Figure 2.8: Oil saturation calculated from the radiographic images during oil injec-

tion (a,c,e) and corresponding oil saturation profiles (b,d,f) at different recording
times.
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2.2.4 History matching

The characterization of the hydraulic properties of the sandstone sample for the
primary drainage process is achieved with a history matching process where the
best fitting is sought for, between the experimental saturation profiles derived by
radiography and the corresponding simulated profiles. The relative permeability £,
and capillary pressure P. curves are estimated by simulating the drainage process
using a one-dimensional, finite-difference model (Christiansen, 2008). The model
assumes that the sample is both isotropic and homogeneous.

The algorithm consists in solving pressure and saturation differential equations
for one of the two phases (say the invading oil phase). Here an implicit pressure and
explicit saturation (IMPES) approach is used to solve the mass balance equations
for saturation profile.

The dependence of relative permeability on brine saturation Sp is represented
by the Corey (Brooks and Corey, 1966) model:

Sp—Spi \"*
= fma ’ 2.1
kT7B r,B <1 . SO,T - SBJ') ( O)
1—Sg—3S80,\"
= fma : 2.11
kT,O 7,0 (1 . SO,T . SB,Z') ( )

where k.o and k,, p are the oil and brine relative permeabilities, k5" and k5" the
permeabilities at maximum oil and brine saturations, respectively, So, and Sg; the
residual oil saturation and the irreducible brine saturation, no and ng power-law
coefficients.

For the capillary pressure the Bentsen-Anli (Bentsen and Anli, 1977) model is
used:

1— ,
P.=P.,+P.,log <Sf’:§> (2.12)
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